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Abstract 
A novel amine capture technology for CO2 emissions has been developed by Huaneng/Xi’an Thermal Power 
Research Institute. Lawrence Livermore National Laboratory (LLNL), on behalf of the U.S.-China Clean Energy 
Research Center, has evaluated the technology using location-specific economic parameters to reflect power 
generation loss from a coal-fired power generation plant due to amine regeneration, the necessary utility constraints 
and investment, and the constraints of the location.  
 
The conceptual design used for cost estimates consists of a pre-absorption cooler (cooling by injection of water 
directly into the flue gas was not feasible because of 100% flue gas humidity post-flue gas desulfurizer), an absorber 
with a spray stage to minimize evaporative amine losses; an economizing heat exchanger and trim heaters and 
coolers: a stripper with a reboiler and condenser to recover absorbed CO2; a five-stage CO2 compression train with 
intercooling and water removal; and an ion exchange process to control build-up of heat-stable salts by treating a 
bleed stream from the lean amine stream. 
 
We conclude that Huaneng’s novel amine composition, because of the use of hindered and tertiary amines, has a 
lower heat of regeneration and hence reduces the power generation penalty. Further, we assess that the hindered and 
tertiary amines are less susceptible to thermal and oxidative degradation, although they are still susceptible to 
degradation by reaction with CO2. We estimate the reduced power generation penalty and reduced solvent 
degradation gives a modest but tangible cost advantage relative to 30% MEA. 
 
Among the location-specific constraints we have identified are: limited ability to cool incoming flue gas by water 
injection because of high humidity; and poor soil conditions that would require extensive civil engineering prior to 
plant construction. These differences we assess will increase the cost of implementing an amine-based capture 
technology over costs based on assumed greenfield construction. 
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1. Introduction 
A novel amine capture technology for CO2 emissions has been developed by Huaneng Clean Energy 
Research Institute/Xi’an Thermal Power Research Institute, both part of Huaneng power. According to 
Huaneng, this technology reduced operating costs for carbon capture by substantially reducing the heat 
required to regenerate CO2-rich solvent. LLNL was requested by a U.S. power generation company to 
independently evaluate this novel technology for a specific coal-fired generation plant to determine its 
reduction in the power generation penalty. 
 
Nomenclature 
 
AMP 2-amino-2-methyl-1-propanol  
CEPCI Chemical Engineering Plant Cost Index 
CERC U.S.-China Clean Energy Research Center 
FGD Flue Gas Desulfurizer 
HETP Height of Equivalent Theoretical Plate 
LLNL Lawrence Livermore National Laboratory 
MDEA Methyl diethanol amine 
MEA  Monoethanolamine 
PZ Piperazine 
TFC Total fixed capital 
Our methodology involved identifying potential compositions for Huaneng’s proprietary amine 
mixture. Based on this estimated composition, a conceptual design has been devised based on the 
location-specific design bases from the U.S. Energy company, and a mass and energy balance developed 
using an equilibrium model in ASPEN. This design was then used to develop a technoeconomic model of 
the costs of CO2 capture for the novel amine. A base-case for comparison was also developed assuming a 
conventional 30% monoethanolamine-based solvent. 
 
Among the location-specific constraints we have identified are: limited ability to cool incoming flue 
gas by water injection because of high humidity; variable steam pressure from the low pressure steam 
cycle feed; limited ability to draw steam at the ideal pressure from the low pressure steam turbines in the 
power cycle; limited availability of cooling water; requirement for zero liquid discharge; and poor soil 
conditions that would require extensive civil engineering prior to plant construction. These differences we 
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assess will increase the cost of implementing an amine-based capture technology over costs based on 
assumed greenfield construction.
1.1. Methodology
The specific composition of Huaneng’s novel amine is still being optimized to reduce both energy and
solvent costs. Because of this active development and the need to protect intellectual property, Huaneng
could not yet fully divulge its amine composition.
Hence, Lawrence Livermore examined compositions of amine given in a patent assigned to Xi’an
Thermal Energy Research Center (CN 101537340A). The amine compositions described in this patent 
had MEA content ranging from 50%-90% wt. of the amine mixture, with MDEA as the primary co-
formulant for MEA, but with AMP and PZ as co-formulants.
Patent CN 101537340A described seven potential amine compositions. For our modeling, Lawrence
Livermore selected a 50/40/10% wt. mixture of MEA/MDEA/AMP respectively, as this was the 
composition with the lowest fraction of MEA and therefore the likeliest to show the most deviation from 
a MEA-only solution. We modeled this amine composition at both 30% and 35% aqueous solution. We
assessed that given that MDEA and AMP are less susceptible to degradation, than MEA, that the
proportion of amine could be raised higher than the standard 30% amine solution used for MEA.
ASPEN Plus version 7 was used for modeling of compositions and energy: equilibrium models were
used for the absorption and stripping columns Because an equilibrium model was used, the HETP from 
ASPEN was not reliable for cost estimation: instead the HETP heights were estimated using the method 
described by Freguia.[1]
Fig. 1. Schematic of the modeled CO2 removal process
The basic design of the process is unchanged between the three cases considered (30% MEA, 30%
mixed amines, 35% mixed amines), and is shown in schematic form in Figure 1. In the model, flue gas is
compressed by a blower (COMP) and precooled before introduction to the absorber (ABSORBER). The
absorber is fed by a recycled lean amine solution and makeup amine (AMINEFD) which are mixed
(FEEDMIX). We modeled the absorber as taking 90% of the CO2 from the flue gas. The clean flue gas 
(CLEANER) is discharged, and the CO2-rich solution (RICHOUT) is pumped to the reflux stripper 
(STRIP) through a heat recovery exchanger (REGEN) that recovers heat from the stripper bottoms. The
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stripper reboiler is fed low-pressure stream from the coal plant. A condenser (DRYER) cools the vapor 
from the stripper and returns the condensate liquid as a reflux stream. The lean amine mixture from the 
stripper is recycled back to the absorber via heat recovery (REGEN) and a cooler (COOLER) to cool the 
lean amine. The CO2 from the stripper condenser is compressed with intercooling to cool the CO2 and 
decrease energy consumption during compression, and to remove water to prevent condensation in the 
CO2 compression train. 
MEA properties were taken from Freguia [1] and Liu,[2] of the University of Texas and Aspen Tech, 
respectively, rather than default values in ASPEN plus.  
Intercooling within the absorber was modeled to improve absorber performance and reduce solvent 
flow by mitigating temperature peaks within the absorber from the heat of absorption. A water wash at 
the top of the column was modeled as a separate flash stage (COND) from the rest of the absorber: such 
washes are standard to reduce evaporation amine losses.  
The Aspen model followed the process description above, we modeled the continuous process as an 
open loop. That is, the recycle stream, REC although it would continue to the input mixer, FEEDMIX, 
was entered as an output stream, and the unlabeled stream to FEEDMIX was manually matched to stream 
REC. We found that the convergence was more stable in this manner.  
The main energy requirement of the carbon capture is the reboiler on the stripper column, STRIP. The 
power to this reboiler is low pressure steam, ideally at about 2 bar, to prevent thermal degradation of the 
amine. Since the low pressure steam available at the site is at about 11 bar, we have modeled the use of a 
letdown turbine to generate electricity as it reduces the pressure. The electricity generated then partially 
compensates for the cost of compression of the product CO2. 
1.2. Design Bases 
The specific location for evaluation was Unit 3 of Duke Energy’s Gibson plant, in Indiana. This plant 
has a gross electrical output of 695 MW/net output of 635 MW. The process was modeled on capturing 1 
x 106 million [short] tons basis, or 9.1 x 105 tonnes, representing a recovery rate of 90%, the recovery 
system operating 80% of the time. The input to the recovery system  is equivalent to 25.5% of the CO2 
output from the Gibson-3 unit. Cooling water temperature was assumed to be available at 40°C. The flue 
gas enters the carbon dioxide recovery system from the flue gas desulfurizer (FGD), at 54.4°C, saturated 
with water, with the composition given in Table 1. Conditions at the plant that form the design bases are 
given in Table 2. 
Table 1. Flue gas composition at Gibson-3 
Species Concentration 
CO2  9.6% 
Water  15.6% 
(saturated) 
Nitrogen  68.2% 
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Table 2. Design bases 
 
Design Basis Value Units 
Capacity 910,000 
(1,000,000) 
Tonnes/yr 
(short tons/yr) 
Onstream Factor 80%  
CO2 removal efficiency 90%  
Assumed temperature of available 
cooling water 
40 °C 
   
 
1.3. Modeling Results 
To remove 910,000 tonnes per year of CO2, the absorber column would be 10-18 meters high with a 
diameter of 12.5 meters, filled with Koch-Glitch 2.5-Y stainless steel structured packing. The wide range 
of column heights results from our equilibrium model of the absorber, which is kinetically limited. The 
range is from Huaneng’s model, at the low end, and estimates based on Freguia’s work,[1] estimating the 
height of a theoretical plate (HETP). We are installing a rate-based distillation module from Aspen to 
estimate this height more accurately. 
The stripping column would be 7.5 meters high with a diameter of 7.0 meters, in agreement with 
Huaneng’s model, and with Kohl and Riesenfeld.[3] The agreement between our results and those of 
others is because this column is equilibrium controlled.  
Table 3 shows our model results. The efficiency of carbon capture is improved modestly as one goes 
from a single amine, 100%MEA, at 30% in water, to the mixture, MEA/MDEA/AMP, 50%/40%/10%, at 
30% in water, and is further improved by increasing the mixed amine concentration to 35%. 
The efficiencies in Table 3 are based on 25.5% of the power output of Gibson Station Unit 3, with a 
thermal output of 461.3 MW, and a total electrical power generation of 177.6 MW, and 161.9 MW after 
electrical peripherals, for a net plant efficiency of 35.1%. The energy loss for carbon capture is calculated 
based on the net electrical power of 161.9 MW and the power loss equivalent to the steam extracted for 
use in the reboiler, added to the electrical requirements for CO2 compression and other pumps and 
equipment. The efficiency loss is based on the plant thermal output of 461.3 MW. The reduction in 
energy output from the power plant due to diversion of steam to the carbon capture plant was estimated 
using PEPSEE simulation results courtesy of Keith Pike of Duke Energy. 
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Table 3. Model Results 
 
 MEA 30% Mixed amines 30% Mixed amines 35% 
CO2 recovery, % 90 90 90 
Purity % 99.5 99.5 99.5 
Production, Tonnes/h 130.9 130.2 130.0 
Product CO2 pressure, bar 153 153 153 
Electrical req, MW 11.9 11.9 11.8 
Power generated from Letdown 
Turbine, MW 
9.6 9.2 8.9 
MW of cooling from cooling 
water required 
127 135 126 
Steam diverted from Low 
Pressure power plant turbine 
cycle, kg/h 
192,000 181,000 172,000 
Stripper Reboiler Duty MW 122 115 109 
Energy consumed by reboiler, 
GJ/tonne CO2 captured 
3.6 3.16 3.02 
Reduction in generated 
electricity 
21.0% 20.3% 19.7% 
Net Efficiency 27.6% 27.8% 28.1% 
Efficiency loss from carbon 
capture 
7.4% 7.1% 6.9% 
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1.4. Technoeconomics 
1.4.1. Capital Costs 
 
Capital costs were estimated using equipment costs from Peters and Timmerhaus.[4] Costs were 
escalated to 2011 costs using the Chemical Engineering Plant Cost Index (CECPI) from Chemical 
Engineering magazine. Materials of construction were assessed to be predominantly 304 SS. Installation 
costs for civil engineering and field fabrication, electrical, instrumentation, and piping were estimated 
using a factorial method as used in Peters and Timmerhaus. 
As the soil quality is poor at this location, and the area is seismically sensitive, we increased the factor 
applied to the equipment cost to account for civil engineering and field fabrication by 2.5 times over those 
used in Peters and Timmerhaus. This was to reflect increased costs due to the need to drive piles to 
bedrock at 50 feet. Other installation cost factors (for electrical, instrumentation, and piping) were not 
assumed to change, although costs for additional utility piping runs from were estimated and included in 
the costs. Further, as well as a 20% contingency factor, an additional complexity cost factor of 20% was 
added to the TFC to account for increased costs of a retrofit in a relatively crowded plant compared to 
greenfield construction. 
As cooling water available from the nearby Gibson lake is limited, the capital cost included 
construction of cooling water towers for cooling water supply. 
Table 4 summarizes the capital cost for the three scenarios considered. Equipment sizes vary only 
slightly between the three scenarios, and there is minimal additional equipment for the mixed amine 
scenarios, therefore there is relatively little difference in capital costs. 
Table 4. Capital Cost Summary 
 
Capital Costs,  
US $million (2011) 
30% MEA 30% Mixed Amines 35% Mixed Amines 
Battery Limits Investment $97.1 $99.1 $93.4 
Offsites and Utility 
Investment 
$37.2 $36.7 $35.5 
Total Fixed Capital  $134.4 $135.8 $128.9 
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1.4.2. Operating Costs 
 
Estimated operating costs are summarized in Table 5.The CO2 plant capture capacity is 1 million short 
tons (0.91 million tonnes), with 90% capture efficiency 
Table 5. Operating Cost Summary 
 
Operating Costs,  
US $million (2011) 
30% MEA 
Base Case 
30% Mixed Amines 35% Mixed Amines 
Variable Costs    
Materials Consumed and 
Waste Disposal  
$5.8 $4.3 $4.3 
Utilities $3.6 $3.7 $3.5 
Lost Power Generation $13.6 $14.1 
Total Variable Costs 
$12.9 
$23.5 $21.6 $20.7 
Fixed Costs    
Direct Labor $3.3 $3.4 $3.2 
Maintenance Labor and 
Supplies 
$3.0 $3.0 $2.8 
Plant Overhead, Taxes, and 
Insurance 
$4.8 $4.8 $4.6 
Levelized Depreciation $4.4 $4.5 $4.3 
Corporate Overhead $2.0 $1.9 $1.8 
Cost of Capital $18.1 $17.9 
Total Operating Costs 
$17.2 
$59.0 $57.4 $54.6 
    
Cost per tonne CO2 captured, 
US$/tonne 
$64.4 $62.8 $59.8 
Additional cost of CO2 
captured per MWh 
generated, US$/MWh 
$68.7 $66.0 $61.8 
Reduction in costs compared 
to base case 30% MEA 
-- 4% 10% 
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1.4.2.1. Variable Costs 
 
As contract prices for chemicals are not easily available, unit cost for amines and other chemicals were 
estimated at 80% of manufacturer list prices. As our design envisioned that heat stable salts and 
degradation products would be removed by ion exchange and activate carbon absorption, we included 
cost of caustic for ion exchange resin regeneration, and replacement of exhausted resin and activated 
carbon. 
The cost of steam was estimated by estimating the opportunity cost of lost electricity generation 
because of steam being diverted to the stripper reboiler rather than to electricity generation, using the 5-
year average contract price for the regional MISO/Cinergy hub as the opportunity cost. Cooling water 
costs were estimated based on costs in Peters and Timmerhaus. 
Liquid waste disposal costs were estimated assuming that the solvent inventory was replaced two times 
per year. It was conservatively assumed that accumulated selenium in the solvent would lead to the waste 
being disposed as hazardous waste: we assumed that dewatering of the solvent would lead to some 
volume reduction prior to disposal. Similarly, spent ion exchange resin and activated carbon from the 
process was assumed to be disposed as hazardous waste. 
1.4.2.2. Fixed and Semi-fixed Costs 
 
Cost of capital was assumed to be 12.5% p.a. Depreciation lifetime was 30 years.  
Labor costs were estimated using the U.S. Bureau of Labor Statistic’s prevailing skilled manufacturing 
labor rates in Indiana. Taxes, insurance, and plant and corporate overhead costs were estimated using 
standard cost factors use in process plant economics. A relatively high value for maintenance costs (3% of 
TFC for each of maintenance labor and maintenance supplies/materials) because of the corrosive nature 
of CO2/water mixtures. 
1.5. Conclusions 
We assess that use of the mixed amines, as proposed in the Huaneng patent, gives modest but definite 
benefits: up to 10% for 35% mixed amines. The savings primarily come from both lower lost generation 
and from reduced material costs because of increased amine stability. We conclude that the Huaneng 
mixed amine technology represents an improvement over conventional 30% MEA, but that the 
improvement in economics is not only due to reduced heat of regeneration, but also due to lower amine 
losses. We assess that use of the mixed amines, as proposed in the Huaneng patent, gives modest but 
definite benefits: up to 10% for 35% mixed amines. 
We understand that Huaneng is working on process improvements to both decrease lean loading (and 
hence reduce solvent flow), to improve heat integration, and further extend solvent life. We envision 
these could yield an additional modest improvement in economics when implemented  
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